In the past, electric utilities were continuously adding more facilities to their systems in order to satisfy the growing customer energy requirements based on a set of deterministic criteria that guide transmission planning. The traditional planning guidelines were based on planner's experience and intuition without a formal and consistent framework for their development. In most cases, using the deterministic criteria, the systems were either over or under built.
INTRODUCTION
TRADITIONALLY, vertically integrated utilities have applied deterministic criteria to plan and design their transmission systems. The most commonly used criterion is N-1 contingency conditions against which system performance is tested for voltage and overload violations for the system peak loading condition. The peak loading conditions typically occur for only 3 to 5 percent of the time in a year. This deterministic criterion therefore runs the risk of over/under investment and their essential weakness is that they do not and can not account for the probabilistic or stochastic nature of power system behavior, The movement towards deregulation makes the deterministic planning criteria invalid and will therefore introduce a wide range of reliability issues that will require system reliability planning criteria and tools that can incorporate the residual risks and uncertainties associated with transmission system planning and design [1] - [3] . Probabilistic transmission system planning criteria offers a rational response to these conflicting new requirements. The paper presents a transmission system reliability performance table intended for use as guidelines for planners in system planning activities and is based on the probability of occurrence of different contingencies reflecting a large measure of probabilistic content.
North American Electric Reliability Council has published bulk electric system reliability standards in which different categories of single and multiple contingencies are identified that to be tested for system adequacy and stability performance assessments. One important component that is missing in this standard is the probability of contingency occurrence and its consequences in terms of system reliability and security performance. There are contingencies with high probability of occurrences but with insignificant or no consequences, while at the same time some contingencies are least likely to occur but with high consequences of widespread load losses. Planning and designing of a power system without explicitly considering probability and consequences of contingency occurrence would inevitably render either over or under built power systems. The approach of ranking contingencies based on historical average probability of contingency occurrence in bulk system planning criteria has been considered by some utilities [4] .
The majority of the utilities regularly collects information on generation and transmission equipment outages and maintains an electronic database on equipment outage statistics. In this paper, generic data on generation and transmission equipment outages are utilized to compute average contingency frequency, average duration and probability figures. The probability of multiple outages is computed and a generalized discussion of the impact of these contingencies is included. The computed contingencies are ranked and a consistent framework for system reliability performance table is developed based on these groupings. The ranked contingency based planning criteria is further extended in this paper in evaluating system weak areas needing reinforcements and identified system reinforcements projects are subjected to value-based tests to ascertain whether the reinforcement projects are cost justified in terms of customer reliability benefits rendered by the identified projects much outweigh the costs of those projects.
In proposing this approach as the basis for the system reliability performance measures, the basic objectives were to incorporate the benefits of explicitly accounting for the probability of system disturbances with the clarity of existing deterministic criteria. It is expected to produce a robust guide that would result in project being proposed whose costs would be justified by the value they provide to customers.
II. CONTINGENCY RANKING

A.
Generating Unit Outage Statistics Normally bulk system planning is not concerned with the determination of the adequacy of system generation capacity to meet peak loads, however inclusion of generator contingencies in transmission reliability planning criteria is important because they can lead to transmission problems. Additionally, the increased cost-effectiveness of gas fired generation has expanded the viability of judiciously locating generation to achieve transmission benefits. It is necessary to consider the performance impacts of these alternatives. Data on generator outage statistics presented in [5] is used in developing generator contingency in this paper. The basic two-state model used in computing the forced unavailability of a unit is presented Fig. 1 [6] . In this model, a unit could exist either in the up state, in other words, the units is running or in the down state which is in the state of forced out of service. λ is the failure rate for the unit normally expressed in occurrences per year and µ is the repair rate also expressed in occurrences per year. The probability of forced outage (P) is computed as:
Multiple unit plants have been designed to minimize the likelihood that a single event will cause the loss of both units. Accordingly, outage statistics for two generating units were computed assuming event independence.
The model of Fig. 1 can also be used for transmission line and transformer unit failure modeling as discussed in Subsection B in the following.
B. Transmission Equipment Outage Statistics
For illustration purposes of the contingency ranking approach, data on transmission equipment forced outages operating at 345 kV voltage as presented in [7] , [8] have been considered in this paper. The data was resolved into line and transformer related groups to correspond to utility modeling practices for transmission planning studies. B.1.
Line Statistics It is important to note that, in establishing contingency ranking for the transmission system, only forced sustained outages were considered. It was assumed that maintenance outages would not be performed at a time that would jeopardize the system during the next contingency.
B.1.1 Multiple Outages
Most of the multiple failures of transmission system components (transmission lines, transformers, etc.) can be grouped into the following categories:
Multiple Independent Outages
Independent outages of two or more components are referred to as overlapping or simultaneous independent outages. The outage of each component is caused by an independent event. The outage probability was computed as a product of the failure probabilities of each of the events. The mathematical models used for computing frequency, duration and unavailability involving two components overlapping independent outages are presented in Equations 2, 3 and 4. 
Where, λ 12 is the independent overlapping outage frequency of components 1 and 2 λ 1 is the outage frequency of component 1 λ 2 is the outage frequency of component 2 r 1 is the average outage duration of component 1 r 2 is the average outage duration of component 2 U is the unavailability or probability of forced outage of both components 1 and 2.
Common Mode Outages
A common mode outage is an event having an external cause with multiple failures where the effects are not consequences of each other. The common mode outage rate and average duration values for the 345 kV networks were ascertained from historical field data presented in [9] .
Station Originated Outage
Though infrequent, the bulk supply system does experience multiple dependent outages of transmission circuits due to stuck breaker conditions or bus section faults. Stuck breaker and bus section statistics used in contingency rankings are obtained from Reference [9] .
B.2.
Transformer Statistics It is the general belief that transformer outages while infrequent, involved extended repair times. Normally failures involving integral subcomponents such as bushing, winding, on load tap changer or core related outages require a long repair time. However, transformer outages involving terminal equipment are of shorter duration. The transformer outage statistics for 345 kV transformer system presented in [8] are used in this paper in contingency ranking purposes.
C.
Developing Contingency Probability Groupings Probability defines the likelihood of an event in terms of expected outage hours per year. Ranking contingencies by their probability assumes that the expected annual outage duration is a reasonable measure of the impact of outages on the customer. To facilitate in the evaluation, a relative likelihood index was computed for each contingency. The index is the ratio of the probability of the most likely event, a generator outage, to the probability of each event.
As it is not practical to set a separate performance level for each contingency, it was necessary to divide the contingencies into groups. The basic approach was to make the differences between groups greater than the variation within the group. It was considered using both frequency and probability to differentiate between contingency groupings.
The expected outage duration did not vary significantly for the different contingencies with the exception of generator outages that were considerably longer on average. As generator contingencies were also the most frequent, the same groupings were arrived at using either frequency or probability to differentiate between groups.
The results of the contingency ranking are presented in Table I . The contingency events were divided into four groups ( e.g.; high with relative likelihood less than 100, medium with the relative likelihood between 100-4,000, and low with the relative likelihood between 4,000-20,000 and extremely low with the relative likelihood value of greater than 20,000. Since there is some uncertainty in the data, some caution should be observed in assessing the results of the very low probability multiple outages. III. CONTINGENCY BASED SYSTEM RELIABILITY PLANNING CRITERIA Very low frequency multiple outages can have a potential for severe impacts. In analyzing these events, the planning process is driven more by their impacts than by their probability. It has been elected not to include these events in system reliability performance table but rather to address them on an individual basis, determining the course of action based on the potential impact.
A.
Load Variation For a typical power system on a system wide basis, it has been assumed in this paper that loads in excess of 90 percent of the peak occur for less than 4 per cent of the time. Based on an analysis of the actual outage data, it has been found that outage rates during these peak periods were lower than average. Given that some power systems are experiencing low load growth at the present time, building facilities to cover contingencies during peak load levels could result in those facilities only being needed on extremely rare occasions for many years.
It was therefore important to differentiate system reliability performance on the basis of load level and focus primarily on maintaining adequate contingency performance during more likely load levels. The system reliability performance table still specifies a reduced level of performance during peak load periods.
B. System Reliability Performance Table
Once the formal and consistent framework for the reliability performance table had been established, performance levels could be developed by either: a) performing a 'generic' value-based analysis using typical system costs, outage data and customer damage costs or, b) rationalizing the impact of the planning criteria on specific examples in the system. A basic tenet of the approach is that customer outage levels should not be dramatically affected by any change in the reliability planning criteria. The performance requirements for high, medium and low probability contingencies are summarized in Table II .
Special application notes for the performance table:
1)
The long-term Delivery Point voltage ranges are specified based on having up to +/-7% voltage regulation (could be different for different power systems based on operating policies) available between the transmission and distribution buses at the load level indicated. In the event that this is not the case, the criteria should be adjusted accordingly.
2) For non-delivery points, voltages should be controlled to within equipment limitations.
3) Studies should be conducted to assess the impact of very low probability contingencies and where practical, appropriate steps should be taken to ensure that disturbances are contained. The use of Special Protection Scheme (SPS) (including extreme impact SPS) should be considered. IV. APPLICATION OF THE PROBABILISTIC CRITERIA IN VALUE-BASED SYSTEM PLANNING System improvement projects identified using the performance Table II should be subjected to value-based tests in order to ascertain whether the projects' cost matches or exceeds the customer interruption cost if the projects were not added to the power systems. Reliability of electric service therefore should be based on balancing the costs to a utility and the value of the benefits received by its customers. In order to avoid the risk of over/under building the power systems and provide a rational means of decision making on the necessity of changing service reliability levels experienced by customers, utility costs and the costs incurred by customers associated with interruptions of service must be incorporated in system planning and operating practices [10] - [12] . Value-based planning methods are appealing in that they attempt to mathematically compare the cost of unreliability with the cost of providing additional reliability in order to determine whether the system enhancements are justified.
A value-based reliability planning approach attempts to locate the minimum cost solution where total cost includes the utility investment cost plus the operating cost plus the customer interruption cost. Fig. 2 illustrates how utility costs (i.e., reflected in customer rates) and the customer interruption costs are combined to give the 'total cost'. The utility cost curve shows how customer rates go up as more money is spent for increased system reliability levels. The customer interruption cost curve shows how customer cost of interruptions decreases as the system reliability increases. It is also important to note that for low levels of system reliability levels, the customer interruption costs are significant. The utility cost curve, however, can also increase significantly in the additional costs of restoring the system to a normal operating state and the loss of revenue (i.e., the utility cost curve shown in Fig. 2 is based on the belief that increased costs will achieve higher levels of system reliability). When the combined utility and customer interruption costs are minimized, then the utility customers will receive the least cost service. Therefore, using the concept of value-based system reliability planning, a given level of service reliability can be examined in terms of the cost and the worth to the customer of providing the electric service from various proposed transmission configurations.
The value-based analysis can add great insight to the transmission system reinforcement problems and has sufficient merit on that basis alone. It would be extremely hard to justify building a project that one could not rationalize provided sufficient benefits to warrant the expected cost. Accordingly, it is important that all potential transmission system improvement projects identified using the reliability performance criteria presented in Section 3 should be subjected to a value-based assessment before their materialization.
As customers will increasingly demand lower rates and higher reliability in the new competitive market, the challenging task of any electric utility will be to minimize the capital investments and operation and maintenance expenditures to hold down electricity rates. If however, the cost is cut too far, it may jeopardize the system's ability to supply reliable power to its customers. This paper presents a customer value-based transmission system expansion and investment technique developed to satisfy ever-increasing customer demands of lower rates and higher service reliability in the competitive market. The developed technique has been applied to a real transmission network reinforcement by evaluating the cost-effectiveness of capital projects identified to be built to alleviate system supply inadequacy. The reliability impacts of the 2004 capital projects on the transmission system were analyzed by using a contingency enumeration based probabilistic reliability model. The expected energy not supplied (EENS) figures for the 2004 system peak loading conditions were computed using with and without 2004 capital projects.
V. SYSTEM PROBLEM IDENTIFICATION
A probabilistic reliability assessment of system problems performed for the 2004 summer peak loading conditions for the transmission system of study consisting of 72 kV, 144 kV and 240 kV systems serving over a million residential, commercial, industrial, and institutional customers revealed that a number of transmission areas lack adequate system facilities for a number of N-1 and N-2 contingencies. Failure criteria considered in the contingency enumeration approach utilized in the reliability index computations are permanent interruptions, overloads, voltage violations and voltage depression. A brief description of the contingency enumeration approach employed in the probabilistic reliability model used in the paper is summarized in the following sections:
A. Contingency Analysis
The basic contingency enumeration approach to reliability analysis of the transmission system involves the selection and evaluation of the contingencies, the classification of each contingency according to failure criteria and the compilation of appropriate reliability indices. The contingency assessment is capable of detecting system problems such as overloads, bus voltage violations, voltage depression, bus isolation and system separation. The basic steps are illustrated in Fig. 3 .
For a specific pre-disturbance condition, a contingency is selected and tested to determine whether the contingency causes any immediate system problem such as a circuit overload or a bus voltage out of limits. If it does not, a new contingency is selected and tested. Basic steps for contingency analysis
The occurrence of a system problem is considered as a failure in the contingency method used in the studies. The possibility of eliminating a system problem by corrective actions was modeled in this approach. The corrective actions employed in the probabilistic reliability model are formulated as an optimal power flow problem with the objective of minimizing load curtailment, MW generation re-dispatched, and transformer phase angle adjusted. It includes a standard AC power flow solution with local automatic adjustments, power system network linearization, and a linear programming solution to relieve the overload and voltage limit violations.
In the reliability studies performed in this paper, independent overlapping outages up to the second level were considered for both generating and transmission elements. Fig. 4 summarizes the results of the reliability assessment performed for the real transmission system identifying the frequency of occurrences of the primary causes of unreliability. As shown in Fig. 4 and 5, Area B has the least reliability followed by Area A, Area E and Area F. Low voltage problem and circuit overloading are the primary causes of unreliability for the Area B and Area E, whereas system islanding and circuit overloading are the dominant causes of unreliability in Area A, Area C and Area F. The circuit overloading is the underlying cause of the Area D system unreliability. The reliability assessment performed identified the system weaknesses and permitted identification of appropriate remedial capital projects to alleviate the system reliability issues. In order to mitigate the reliability issues identified, a number of capital projects for different transmission areas were selected. The selected projects were then tested in contingency load flow simulation runs to compare and rank the projects. The capital projects listed in Section IV became the candidate projects in the 2004 capital budget. These projects were further tested whether or not they bring benefits to customers in terms of reduced customer interruption costs.
VI. IDENTIFIED 2004 TRANSMISSION AND DISTRIBUTION
SYSTEM CAPITAL PROJECTS The following area projects are described in Table III identified by service area are included in the reliability cost-benefit studies in order to ascertain whether or not the capital projects are beneficial from customers' perspective. The distribution projects are primarily related to relieving distribution substation transformer overloads and other distribution needs for each area. The huge single line diagram of the utility system being analyzed is beyond the scope of this paper. There are many substations and transmission lines in this system The significant data is the cost of the project and not the specific details which are beyond the scope of this paper. The key question is: are the costs of transmission line projects to improve the reliability of the system balanced by a reduction in the cost of customer interruptions? TOTAL BUDGETED COST $32,050,000 Primarily to relieve distribution substation overloads and other distribution system needs.
The total budgeted cost for above 2004 capital projects included in 2004 power flow case is $32,050,000. It is important to note that the cost figure of $32,050,000 includes the costs for those projects primarily related to relieving distribution substation transformer overloads and other distribution needs.
The transmission related project cost figures are presented in Table IV. TABLE IV  2004 TRANSMISSION SYSTEM 
Load data
In order to calculate the annual expected load lost, the system load duration curve is approximated with a five-step load model with corresponding exposure probability. The five-step load model with corresponding probability is shown in Table V . The five-step load duration curve is derived from the 2004 hourly loading data for the transmission system. Simulations are run at different load levels such as 100%, 90%, 80%, etc. and annual unserved load was calculated by weighting the results of each simulation by the percent of the year that each load level is present.
Customer outage cost data
The customer damage functions after escalation to 2004 dollars for each sector shown in Fig. 6 are the cost of outage in dollars per kilowatt of peak demand. The sector types considered are industrial users, commercial users, institutional and residential users. Fig. 6 shows the sector customer damage functions for all four sectors, reflecting economic consequences of power cessation as a function of the interruption duration.
The sector customer damage functions can be combined according to the relative representation of the individual sectors in the system of study to create a composite customer damage function (CCDF) [10] - [12] . The system load supplied by the transmission is comprised of 15.99 per cent industrial load, 25.87 per cent commercial load, 9.56 per cent institutional load and 48.58 per cent residential load. The creation of CCDF for the system is an attempt to define the total customer costs for that system as a function of interruption duration. In creating the CCDF, the annual energy consumption for each customer, group, or sector is generally used for weighting costs for longer interruptions and weighting by the annual peak demand is used for durations below 1 h because of the fact that shorter interruptions result in a power shortage rather than in an energy shortage. As stated earlier, the cost values shown in Fig. 6 represent the economic consequences of power interruption as a function of duration. The power system may experience power interruption of various durations. Longer interruptions may be spread over more customers through load rotation, so that no customer experiences an outage of long duration.
For the purpose of this study, the customer outage cost for contingencies with duration outside the range of the above composite customer damage function is obtained by extrapolating the CCDF. The cost impacts of customer load curtailments depend on a number of factors. One of the parameters that influences strongly is the duration of an outage. As shown in Fig. 6 , customer interruption cost function is one that relates the cost per kW of load lost as function of the duration of an outage. An interpolation technique is used to find the specific cost segment based on the duration of each load curtailment. The interruption cost is calculated for a single base case as well as multiple load level cases.
Using the CCDF and the information of interruption durations, the expected cost (ECOST) to customers at a load point k for all the contingencies can be computed as:
where, L k -the magnitude of the load curtailed in MW at load point k for contingency j NC -the total number of outages that lead to power interruption at load point The overall expected cost for a number of load points in the transmission system could then be computed as,
Where, NLP -the total number of load points in the study system Table V was used in each power flow case to compute annual EENS figures. The probabilistic reliability model simulated approximately 7,000 contingencies in each case. The failure criteria used are at least one load bus isolated for system separation contingency, the minimum bus voltage is 0.95 p.u., the maximum bus voltage is 1.05 p.u., the line overloading criterion is exceeding line emergency loading, and finally the voltage depression criterion used is 0.8 p.u. at 5 or more buses for a single contingency condition. The contingency depth level considered in the study was one, except in certain known situations, where double or multiple must run contingencies were considered.
IX. ANALYSIS OF RESULTS
The value-based reliability analysis is a planning methodology in which the cost of a system facility addition is calibrated against the benefits accrued from the facility addition in terms of supply reliability improvements. It is based on the customer interruption cost data collected through surveys of customer perception regarding the level of reliability they are willing to pay for. In this approach, the incremental reliability improvement due to the facility addition is expressed in terms of dollars and cents, and then compared with the cost of the facility to ascertain the facility's cost-effectiveness. It is important to note that the quantification of reliability benefits rendered by capital projects and expressed in terms of dollars and cents, and then comparing the reliability benefits with the project revenue requirements greatly facilitates the identification of the most cost-effective system expansion project to meet the current and future load growth. The value-based reliability methodology in transmission system planning and operating, therefore, essentially eliminates the risk of over/under capacity addition to the system. In other words, the value-based reliability method eliminates the risk of over/under investments in the system that has a direct impact on the customer rates that can influence the customer preferences of choosing an electricity supplier in the competitive market. It is further important to note that the value-based reliability methodology is clearly sensitive to a number of parameters, namely, the customer interruption cost data, the system load data, the customer mix in the service territory, and the transmission and distribution equipment outage duration, failure rate, system load growth trends, and system operating and maintenance constraints. There are a wide variety of applications using this technique to improve supply reliability in the deregulated market environment [13] - [15] .
X. CONCLUSIONS Reliability and cost are the two major considerations that will decide the winners and losers in the new competitive electricity market. In this era of intense price and service reliability competition, the haphazard and deterministic transmission system reliability improvement planning criteria are no longer valid. It has long been recognized that in order to be able to provide customers with optimum service reliability at the right cost, reliability based planning criteria are inevitable. It is therefore can be concluded that the emerging transmission system organizations responsible for planning, design and overall transmission asset management have to forego the past implicit criteria and start using customer-responsive probabilistic value-based criteria in regular planning and design activities. This paper presents a methodology to derive contingency based probabilistic planning criteria that reflect the stochastic nature of a power system operation. The approach of ranking contingencies based on historical averages is the first step in ascertaining the relative impact of individual equipment outages. By identifying approximate frequencies and probabilities for the different contingency groups, it was possible to determine levels of system performance that will generally lead to projects being proposed which can pass subsequent value based tests. The applicability of non-standard solutions such as controlled load shedding to avoid cascading outages could also be better rationalized in this light.
The concepts and practical applications of a value-based reliability cost-benefit model in evaluating transmission capital projects have been successfully illustrated in this paper using a practical system example. Customer valuebased reliability planning is a valuable approach to transmission system reinforcement and design. The novel methodology presented in this paper is based on customer preferences and is capable of assisting electric utilities to achieve their primary objective of providing reliable electricity at the lowest possible rate.
